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Dr. Brad Borum 
Indiana Utility Regulatory Commission 
101 West Washington Street, Suite 1500 East 
Indianapolis, Indiana 46204-3419 
  
May 10, 2022 
  
Re: Duke Energy Indiana’s 2021 Integrated Resource Plan 
  
Dear Dr. Borum, 
 
Indiana Advanced Energy Economy (“AEE”) appreciates the opportunity to comment on the 
Integrated Resource Plan (“IRP”) submitted to the Indiana Utility Regulatory Commission 
(“IURC”) by Duke Energy Indiana (“DEI”) on December 15, 2021. 

Advanced Energy Economy (“AEE”) is a national business association representing leaders in 
the advanced energy industry. AEE supports a broad portfolio of technologies, products and 
services that enhances U.S. competitiveness and economic growth through an efficient, high-
performing energy system that is clean, secure, and affordable. AEE has been operating in the 
Hoosier state as Indiana AEE since 2016. In Indiana, AEE aims to drive the development of 
advanced energy by identifying growth opportunities, removing policy barriers, encouraging 
market-based policies, establishing partnerships, and serving as the voice of innovative 
companies in the advanced energy sector.  

We participated in DEI’s IRP stakeholder process and met one-on-one with DEI on two 
occasions. While we do not fully support their preferred portfolio, we appreciate that the process 
provided opportunity for stakeholders to contribute to the development of the IRP and that DEI 
willingly engaged with us and other stakeholders during their work on the IRP. 

We have organized our comments as follows. 

1. We offer some general observations on DEI’s preferred course of action in this IRP, 
with the primary purpose of identifying those proposals in which significant 
investment will be made or should be made during the next few years and are 
therefore most salient in the IURC’s current review. 
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2. We observe that DEI’s fuel price forecasts, particularly for natural gas, are likely 
outdated and that as a result, IURC should be wary of new gas investments and 
instead emphasize renewable generation as a hedge against higher fuel prices. 

3. We comment on the level of energy efficiency programming proposed by DEI and 
recommend that this should be ramped up to higher levels than those proposed by 
DEI. 

4. We comment on opportunities to enable more effective use of demand response, 
which would then reduce the need for generation resources that supply capacity. 

5. We comment that “must run” operation of Gibson, Cayuga, and Edwardsport is not 
best for customers and is not an appropriate assumption in this IRP. 

6. We observe that energy storage resources are likely undervalued in DEI’s IRP and we 
make recommendations for more appropriate levels of procurement and more 
thorough consideration of the value of energy storage in future IRPs and Request for 
Proposals. 

7. We identify that federal policy that would affect DEI’s best course of action is 
unsettled but that there are opportunities to adapt in upcoming resource procurements 
to take advantage of incentive programs that lower customer costs. 

8. We comment that DEI’s assessment of market price risks for electricity and natural 
gas may understate those risks and we identify that those risks could be reduced by 
accelerating in time DEI’s proposed procurement of renewable generation resources 
while leaving open options to rebalance DEI’s portfolio after their next IRP. 

9. We discuss market interest in voluntary renewable energy purchases and recommend 
that DEI offer its customers options along those lines. 

10. Finally, we sum up our comments with specific recommendations as to how the 
IURC and DEI should proceed. 

General Observations on DEI 2021 Preferred Course of Action 
As explained by DEI in their filed IRP, DEI selected a preferred course of action that they 
characterized as the Renewables-CC-CT portfolio. In this portfolio, they outlined the following 
resource decisions that would be either executed or substantially underway before DEI files their 
next IRP, or where the option to make earlier changes will be foreclosed until they are addressed 
in DEI’s next IRP. These decisions would therefore be largely baked-in and could not be readily 
changed in their 2024 IRP: 
 

• Gibson 5 retirement in 2025 
• Edwardsport IGCC continuation after 2022 
• Cayuga 1 and 2 retirements in 2027 
• Continued operation of Gibson 3 and Gibson 4 through 2028 
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• Cumulative 119 MW through 2023 and 151 MW through 2024 avoided capacity 
need through energy efficiency programming 

• Cumulative 512 MW through 2023 and 607 MW through 2024 cumulative 
enrollment of demand response resources 

• Cumulative 197 MW solar resources through 2023 and 447 MW solar resources 
through 2024 

• Cumulative 0 MW of hybrid solar with storage capacity and cumulative 0 MW 
stand-alone storage capacity through 2023/2024 

• Cumulative 100 MW wind through 2023/2024 

In addition, DEI’s plans to acquire 1,221 MW of combined cycle capacity that would be 
available in 2027 could be timely revisited in their 2024 IRP but we would anticipate that DEI 
will have initiated planning and procurement for these resources and will have incurred some 
costs in doing so. Nonetheless, with an appropriate caution by the IURC against a firm 
commitment to these resources prior to the next IRP, DEI would be able to change these 
decisions, or proceed to implement them if their resource assumptions are validated by market 
bids collected from the next several Request for Proposals (“RFPs”), and by the modeling DEI 
conducts for its next IRP. 

In 2025 and thereafter, DEI’s preferred course of action as described in their 2021 IRP includes 
further annual acquisition of solar resources throughout the planning period until 2040 and of 
incremental wind resources beginning in 2030 and continuing through that decade. Acquisition 
of these resources can be timely revisited in their 2024 IRP, though procurement of solar 
resources for commercial operation in 2025 will need to be underway by that time. 

We also observe that acquisition times for some resources are short enough that it remains 
possible to increase acquisition in the period from 2024 or 2025 through 2026 above the levels 
included in DEI’s proposed course of action as described in this IRP. Resources that could be 
accelerated include energy efficiency, demand response, solar, solar plus storage, stand-alone 
storage, and wind. 

DEI selected the hybrid Renewables-CC-CT portfolio from among several candidate portfolios. 
Based on our review of those portfolios and their projected performance on various criteria, we 
find that the IURC should focus its review of the Renewables-CC-CT portfolio by comparing it 
to the portfolio that DEI labeled as “Biden 90.”  

We also compare the Renewables-CC-CT portfolio with results from 5 Lakes Energy’s 
STEP8760 IRP modeling tool, developed by researchers at the University of Michigan and 5 
Lakes Energy for use in planning compliance with the Clean Power Plan. 5 Lakes Energy 
subsequently modified it as a general-purpose integrated resource planning tool. Appendix 1 
more thoroughly describes the model and includes a summary table of its results compared to the 
Renewables-CC-CT portfolio. 

First, we note the differences between DEI’s two resource portfolios, Renewables-CC-CT and 
Biden 90, by comparing the tables on pages 102 and 105 of the filed IRP. 
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Resource Renewables-CC-CT portfolio Biden 90 portfolio 
Cayuga 1 &2 Retires end of 2026 Retire one unit before 2024 and 

the other in 2027 
Edwardsport IGCC Retires in 2034 Retires in 2022 
Gibson 1&2 Retires both in 2034 Retires one unit in 2030 and one 

unit in 2034 
Gibson 3 Retires in 2028 Retires in 2027 
Gibson 4 Retires in 2028 Retires in 2030 
Gibson 5 Retires in 2024 Retires in 2026 
Zero-Emissions Load-
Following Resource 

Not included Ramped up to 1,756 MW from 
2033 to 2035 

New Combined Cycle 1,221 MW operable in 2027 815 MW operable in 2023 
Capacity Power Purchases 450 MW in 2023 None 
Energy Efficiency Cumulative 207 MW by 2026 

                     308 MW by 2030 
                     338 MW by 2040 

Cumulative  216 MW by 2026 
                     324 MW by 2030 
                     354 MW by 2040 

Demand Response Cumulative 613 MW by 2026 
and thereafter 

Cumulative 937 MW by 2026 and 
thereafter 

Solar Cumulative  847 MW by 2026 
                     1,547 MW by 2030 
                     3,025 MW by 2040 

Cumulative  1,097 MW by 2026 
                     2,997 MW by 2030 
                     3,025 MW by 2040 

Solar plus Storage Begins with   75 MW in 2027 
Cumulative   300 MW by 2030 
                      600 MW by 2040 

Begins with 75 MW in 2032 
Cumulative 600 MW by 2040 

Wind  
 
Remains 100 MW until 2030 
Cumulative 1,500 MW by 2040 

Remains at  100 MW until 2024 
Cumulative  400 MW by 2026 
                     2,150 MW by 2030 
                     2,850 MW by 2040 

Stand-alone storage none 200 MW in 2030 
Cumulative 1,450 MW in 2040 

 
Although there are a number of details in the evolution of these portfolios, we find the following 
summary to be helpful in comprehending the differences between these portfolios: 
 

 2026 2030 2040 
Portfolio (all values in 
MW) 

Ren-CC-
CT 

Biden 
90 

Ren-CC-
CT 

Biden 90 Ren-CC-
CT 

Biden 90 

Existing Fossil Plants 4,465 3,660 2,198 2,207 586 0 
New CC Gas Plants 0 815 1,221 815 1,221 815 
New CT Gas Plants 0 0 0 0 1,160 1,160 
DSM 820 1,153 921 1,261 951 1,291 
Renewables & Adv Tech 947 1,497 2,047 5,347 7,325 9,681 
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Thus, the Biden 90 portfolio: 
 

• Retires existing fossil plants more quickly than the Renewables-CC-CT portfolio 
• Invests in new gas capacity earlier but to a smaller total amount than the Renewables-CC-

CT portfolio 
• Increases demand-side management resources earlier and to a higher level than the 

Renewables-CC-CT portfolio 
• Acquires renewables and storage both earlier and to a higher level than the Renewables-

CC-CT portfolio.  
 
While we consider the 2040 portfolios to be interesting and indicative of future direction, they 
are also necessarily somewhat speculative regarding both available technology and costs. We 
observe, on the other hand, that the 2030 Renewables-CC-CT and Biden 90 portfolios maintain 
very similar amounts of existing plants and have important differences in the quantities of other 
resources that effectively represent different risks regarding future gas prices and GHG 
emissions restrictions or costs. Selection of the Renewables-CC-CT portfolio relies on moderate 
or low gas prices and GHG restrictions or costs. The Biden 90 portfolio modestly hedges against 
gas prices by developing more clean energy resources. 
 
The differences between the Renewables-CC-CT and Biden 90 portfolios in 2026 warrant some 
further discussion. Effectively, the Biden 90 portfolio retires more existing fossil capacity before 
2026 than the Renewables-CC-CT portfolio but replaces some of that capacity with new CC 
capacity, netting almost identical amounts of fossil generation. The Biden 90 portfolio, on the 
other hand, invests in significantly more demand-side management resources and renewables 
prior to 2026, which then enables more rapid reduction of fossil generation before and soon after 
2030. 
 
DEI’s comparison of the various portfolios that they evaluated is summarized in their Table V.1 
on page 109 of the IRP. We highlight here the comparison of the Renewables-CC-CT portfolio 
to the Biden 90 portfolio: 
 

• The Biden 90 portfolio has somewhat higher (therefore better, all else equal) dispatchable 
resources as a percentage of load. 

• Both portfolios have acceptable and very similar probabilities of serving load in all years 
of the planning period. 

• Both portfolios have acceptable levels of annual market purchases of energy, with the 
Biden 90 portfolio having a modestly lower (therefore better, all else equal) share of 
market purchases than the Renewables-CC-CT portfolio. 

• Both portfolios have the same value for the index of resource diversity. 
• DEI rates the executability of the Biden 90 portfolio significantly below that of the 

Renewables-CC-CT portfolio. 
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• DEI rates the Biden 90 portfolio in 2030 as having somewhat superior ability to service 
load in extreme weather conditions. 

• The Biden 90 portfolio has a higher present value of required revenue over the full plan 
horizon, by approximately 10% but in a 5-year time horizon has growth in required 
revenue that is only 0.2% per year higher than that of the Renewables-CC-CT portfolio; 
however, the Biden 90 portfolio has significantly lower variability in present value of 
revenue requirements across various scenarios and sensitivities than does the 
Renewables-CC-CT portfolio. 

• The Biden 90 portfolio reduces GHG emissions in 2040 by 90% while the Renewables-
CC-CT portfolio only achieves a 78% reduction. 

• The Biden 90 portfolio provides noticeably greater reduction of criteria pollutants under 
the Clean Air Act than does the Renewables-CC-CT portfolio. 

• The Biden 90 portfolio has significantly lower variability in present value of revenue 
requirements across various scenarios and sensitivities than does the Renewables-CC-CT 
portfolio. 

 
Thus, the two portfolios perform similarly in many respects, but DEI has evaluated the Biden 90 
portfolio as harder to execute, providing better environmental performance and modestly more 
expensive through 2030. On this basis and other considerations we discuss later, we recommend 
that the IURC guide DEI toward a more aggressive acquisition of demand-side resources, 
renewables, and storage resources in the near term than are provided in the Renewables-CC-CT 
portfolio while retaining the ability to adjust resource changes in 2026 and thereafter based on 
the success of those efforts and evolving information about other considerations that will affect 
the post-2026 portfolio to be determined in DEI’s next IRP.  
 
Fuel Prices 
In developing this IRP, DEI primarily relied on two fuel price forecasts as bookends in their 
analysis. For the low-end price forecast they used the US Energy Information Administration’s 
2021 Annual Energy Outlook (2021 AEO) High Oil and Gas Supply Case. For the high-end 
price forecast they used the 2021 AEO Low Oil and Gas Supply Case. 
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EIA’s graphic representation of these 2021 AEO cases is shown below: 

 

 

In mid-April, natural gas prices were approximately $4.90 per mmBTU at Henry Hub and 
current futures four months out are above $6.00 per mmBTU.1 These higher gas prices are 
likely due to market responses to higher capital discipline amongst gas and oil producers, 
which has been widely reported in the financial press, and the global market effects of 
Russia’s invasion of Ukraine. Although the outcome of the conflict between Russia and 
Ukraine is not something we venture to predict, announced policy responses seem likely to 
lead to increases in liquefied natural gas exports from North America and systematically 
higher prices. We therefore recommend that the IURC assume that natural gas prices will be 
as high as or higher than the high price scenario assumed by DEI in their preparation of this 
IRP. 
 
We do not mean to suggest that DEI should have anticipated these world events that are 
affecting natural gas prices. However, these phenomena illustrate that fuel prices are 
inherently volatile and that reasonable prudence would argue for hedging those risks where 
possible and affordable.  
 
On our behalf, 5 Lakes Energy used their STEP8760 IRP modeling tool to evaluate the 
significance of gas prices for DEI generation portfolios. While this is not the same software 
used by DEI, we consider that the results are similar to the results that would be produced 
using EnCompass. 5 Lakes Energy’s assessment is that if projected gas prices exceed 

 
1 Natural Gas Spot and Future Prices. Energy Information Administration. April 12, 2022. Available at: 
https://www.eia.gov/dnav/ng/ng_pri_fut_s1_d.htm 
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approximately $3.65 per mmBTU, new natural gas combined cycle plants are not included in 
the least-cost resource portfolio. This is consistent with DEI’s findings.2 
 
However, where DEI finds that high gas prices lead DEI’s modeling to retain coal for now and 
build out renewables in the 2030s, we recommend proceeding to build additional renewables and 
storage much sooner. The primary reason that DEI’s modeling of the high gas price scenario did 
not add more renewables sooner is that with delayed retirement of coal plants (as imposed as 
constraints within the modeling) there were not large capacity or energy needs to be met through 
development of any new resources. As we discuss below, DEI’s storage modeling seriously 
undervalued storage and consequently likely chose much less storage and renewables than it 
should have.  

Energy Efficiency 
In developing this IRP, DEI followed a common practice of engaging a third party to develop an 
energy efficiency potential study, results of which were then used to define packages of energy 
efficiency resources that could be selected in IRP modeling. We understand that practice and 
respect its logical construct. However, we also observe that this approach delivers highly varying 
results when performed in different jurisdictions due to differences in policy and regulator 
expectations. We therefore discourage sole reliance on this approach in an IRP and recommend 
also considering a more direct empirical approach to identifying the supply of energy efficiency 
that might be available to a utility. 

In the development of an energy efficiency potential study, it is common to begin with a profile 
of energy end uses by customer class, calculate the energy that would be saved from a range of 
technical options for each end use, analyze the economics of those technical options to identify a 
quantity called “economic potential”, and then attempt to project the customer uptake of these 
end-use options under some assumed utility offer to its customers to produce an estimate of 
“achievable potential” with accompanying costs. Each of these steps involves a plethora of 
assumptions or parameters that can potentially affect the final estimate of energy efficiency 
potential. The estimate of “achievable potential” in particular is often empirically weak due to 
the absence of strong data and theory to project customer response in this “bottom-up” modeling 
approach. 

Many utilities offer energy efficiency programs to their customers, with the intensity of those 
programs driven not only by the results of potential studies but also by mandates, incentives, and 
other policy or regulatory constructs. As a result, there are energy efficiency programs across a 
wide range of savings levels that can be compared in a “top-down” way. This comparison simply 
asks: what is the cost per unit of savings in real utility programs that achieve various levels of 
energy savings? Put another way, we think that DEI can accomplish energy efficiency at various 
levels with costs that are similar to the costs incurred by its peers that actually perform at those 
various levels of energy efficiency. Typical energy efficiency potential studies can then use the 
“bottom-up” approach to identify program designs that achieve these savings levels at costs 

 
2 2021 Duke Energy Indiana Integrated Resource Plan, p. 96. December 2021. 
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similar to those achieved by other utilities. Below we compare DEI’s energy efficiency 
performance with those of its peer utilities. 

All regulated electric utilities and most other electric utilities are required to submit annual 
reports to the US Department of Energy’s Energy Information Administration (“EIA”) using 
Form 861. The EIA than compiles those data and makes them publicly accessible, with some 
time lags. Energy efficiency programs are amongst the reportable aspects of utility operations, 
including annual customer counts and sales by major customer class, annual incremental savings 
and life-cycle savings through utility energy efficiency programs by major customer class, and 
annual incremental and life-cycle costs of utility energy efficiency programs. We examined these 
data for all investor-owned utilities in the United States using 2019 Form 861 data. 

We offer two important observations from that analysis. 

First, in order to compare utilities of quite varying scale, we statistically examined the 
relationship within each customer class between incremental annual savings and cost per kWh 
sales. This fits with the common ways of discussing energy efficiency programs in which 
savings are typically characterized as first-year savings being a certain percentage of sales and 
costs are developed as a surcharge per kWh sales. We statistically tested this relationship using 
regression techniques and concluded that cost per kWh sales is proportional to the level of 
savings achieved as a percentage of sales and that across the range of savings levels achieved by 
various utilities there is no indication that costs per unit savings escalate at higher levels of 
savings. 

Second, we compare DEI’s energy efficiency programs to those of its peers as an indication of 
what should be possible. The following table shows that DEI’s 2019 energy efficiency program 
for commercial customers operated at a level of savings well below that of many peer utilities. It 
also shows that the cost per unit savings of utilities with much higher savings are not 
systematically higher than the cost per unit savings for DEI. 
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The next table similarly compares DEI’s residential energy efficiency programs to those of peer 
utilities. Again, results of actual residential energy efficiency programs of other utilities illustrate 
that much higher levels of savings are achievable at unit costs that are similar to those of DEI. 

We conclude that DEI should be able to substantially increase its level of energy and capacity 
savings through customer energy efficiency programs without materially increasing the unit cost 
of savings. Furthermore, when following the same resource retirement schedule as DEI’s 
preferred portfolio, the STEP8760 model chooses more than double the amount of energy 
efficiency – up to 512 MW by 2030 and 834 MW by 2040.  

Rank Utility State

 Reporting Year 
Incremental Annual 
Savings (% of Sales) 

 Incremental Life 
Cycle Costs ($/kWh 
Life Cycle Savings) 

1                Indianapolis Power & Light Co IN 5.96% 0.009$                         
2                ALLETE, Inc. MN 3.74% 0.009$                         
3                Commonwealth Edison Co IL 3.44% 0.015$                         
4                Massachusetts Electric Co MA 2.69% 0.021$                         
5                NSTAR Electric Company MA 2.36% 0.034$                         
6                Indiana Michigan Power Co MI 2.33% 0.010$                         
7                Public Service Co of Colorado CO 2.32% 0.009$                         
8                Public Service Co of NH NH 2.29% 0.019$                         
9                Unitil Energy Systems NH 2.28% 0.046$                         

10              Oklahoma Gas & Electric Co AR 2.12% 0.015$                         
11              Nevada Power Co NV 2.08% 0.008$                         
12              DTE Electric Company MI 2.03% 0.014$                         
13              Indiana Michigan Power Co IN 2.00% 0.006$                         
14              Consumers Energy Co MI 2.00% 0.017$                         
15              Potomac Electric Power Co MD 1.97% 0.022$                         
16              Northern States Power Co MI 1.96% 0.010$                         
17              Pennsylvania Electric Co PA 1.96% 0.004$                         
18              The Narragansett Electric Co RI 1.96% 0.035$                         
19              Pennsylvania Power Co PA 1.88% 0.005$                         
20              San Diego Gas & Electric Co CA 1.87% 0.027$                         
21              Pacific Gas & Electric Co. CA 1.86% 0.017$                         
22              Connecticut Light & Power Co CT 1.83% 0.033$                         
23              Northern Indiana Pub Serv Co IN 1.82% 0.009$                         
24              Entergy Arkansas LLC AR 1.74% 0.011$                         
25              Idaho Power Co ID 1.72% 0.000$                         
… …

49              Duke Energy Indiana IN 0.96% 0.014$                         
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Demand Response 
As we summarized earlier, DEI proposes in this IRP to ramp up its Demand Response resources 
from approximately 500 MW presently available to 613 MW by 2025 and then to continue at 
that level indefinitely. This stands in comparison to the STEP8760 modeling, which finds that 
DEI should increase its demand response capacity to 937 MW by 2026 and 1,300 MW by 2030.   

If future federal requirements related to clean energy, high costs of natural gas, or greater 
declines in the cost of renewables drive utility portfolios to higher shares of renewables, the 
variability of renewable generation will require adaptation to provide greater non-generation 

Rank Utility State

 Reporting Year 
Incremental Annual 
Savings (% of Sales) 

 Incremental Life 
Cycle Costs ($/kWh 
Life Cycle Savings) 

1                Massachusetts Electric Co MA 6.65% 0.068$                         
2                The Narragansett Electric Co RI 6.17% 0.056$                         
3                NSTAR Electric Company MA 4.75% 0.090$                         
4                Otter Tail Power Co MN 3.91% 0.011$                         
5                Commonwealth Edison Co IL 3.77% 0.016$                         
6                Public Service Co of Colorado CO 2.55% 0.016$                         
7                Pacific Gas & Electric Co. CA 2.52% 0.028$                         
8                The Potomac Edison Company MD 2.40% 0.027$                         
9                Baltimore Gas & Electric Co MD 2.32% 0.032$                         

10              Pennsylvania Electric Co PA 2.22% 0.021$                         
11              Tucson Electric Power Co AZ 2.16% 0.007$                         
12              Southwestern Public Service Co NM 2.15% 0.019$                         
13              DTE Electric Company MI 2.07% 0.023$                         
14              MidAmerican Energy Co IL 1.98% 0.025$                         
15              Southern Indiana Gas & Elec Co IN 1.92% 0.016$                         
16              Metropolitan Edison Co PA 1.87% 0.024$                         
17              El Paso Electric Co NM 1.86% 0.019$                         
18              Pennsylvania Power Co PA 1.84% 0.019$                         
19              Northern Indiana Pub Serv Co IN 1.78% 0.017$                         
20              UNS Electric, Inc AZ 1.75% 0.006$                         
21              Potomac Electric Power Co MD 1.71% 0.060$                         
22              San Diego Gas & Electric Co CA 1.65% 0.020$                         
23              Indianapolis Power & Light Co IN 1.65% 0.024$                         
24              Cleveland Electric Illum Co OH 1.61% 0.014$                         
25              Niagara Mohawk Power Corp. NY 1.59% 0.029$                         
… …

35              Duke Energy Indiana IN 1.33% 0.016$                         



 12 

reliability resources. These will undoubtedly include transmission to increase geographic 
diversity of generation, storage to shift power supply between times, and flexible demand to shift 
power demand between times. In the Biden 90 portfolio that was constructed by DEI in their 
IRP, flexible demand identified as demand response grows to 937 MW, almost 50% higher than 
in DEI’s preferred portfolio; this is indicative of the increased role that flexible demand will play 
in a high-renewables portfolio. 

Additionally, we anticipate that new loads such as electric vehicles and hot water heaters will 
provide much greater load flexibility than current electricity loads and that evolving technology 
and utility business models will enable much more load flexibility even with existing loads. 

Here, we offer recommendations of steps that should be taken during this immediate period to 
enable greater future use of flexible demand than is contemplated in DEI’s preferred portfolio. 

First, we note that demand response programs are more effective when customers can respond to 
time-varying rates that increase the savings a customer gains through participation in demand 
response and that time-varying rates are more effective in shifting load when customers are 
enabled by demand response technologies, such as energy management systems or smart 
thermostats. Although there is a significant body of literature on this topic that we do not present 
here, the following figure3 serves to illustrate these essential points as well as the potential for far 
greater effectiveness than assumed in DEI IRP. In this Figure, time-of-use (“TOU”) cases have 
fixed-schedule time of use rates, TOU w/Tech combines time of use rates with enabling 
technology – most commonly smart thermostats, peak time rebates (“PTR”) cases provide peak 
time rebates to customers who reduce demand below their normal levels, variable peak pricing 
(“VPP”) cases provide variable pricing at demand peaks to encourage load reduction, and critical 
peak pricing (“CPP”) cases provide a fixed high price during announced critical load hours. 

 
3 Obtained from Ahmad Faruqui and Sanem Sergici (The Brattle Group), International Evidence on Dynamic 
Pricing. July 2013. Available at no cost from https://papers.ssrn.com/sol3/papers.cfm?abstract_id=2288116. 
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In this Figure, TOU refers to Time of Use Rates, PTR refers to Peak Time Rebates, VPP refers to 
Variable Peak Pricing, CPP refers to Critical Peak Pricing, and w/Tech refers to inclusion in the 
test of customer devices like in-home displays and smart thermostats. 

Second, we note that Demand Response aggregators are particularly good at implementing 
Demand Response both because of their specialization and their platform investments. Much 
greater levels of Demand Response can be obtained if DEI contracts for Demand Response 
aggregation services with companies that specialize in this technology. 

We therefore recommend that DEI should implement additional Demand Response by 
contracting with one or more Demand Response aggregators and should begin implementing rate 
designs that focus on time-of-use rates as well as dynamic peak pricing. These options should be 
offered to all customer classes, but due to their existing capacity to manage electricity demand, 
we particularly recommend that these practices be applied to industrial and commercial 
customers in the near term and deployed more gradually to residential customers. 

We anticipate that engaging one or more Demand Response aggregators and beginning to 
implement rate designs that incent demand response will substantially increase the feasible 
Demand Response capacity that can be considered in DEI’s next IRP.  

Finally, we note that behavioral demand response programs that use an opt-out program design 
and leverage advanced metering infrastructure (“AMI”) data can turn every residential household 
(including renters) into grid assets through behavioral nudges alone. Layering price signals on 
top of the behavioral nudges would have the effect of driving larger peak reductions and load 
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shifting. Behavior-based solutions are delivering peak reduction and load shifting in some of the 
most constrained parts of the country,4 and DEI should consider similar programs of this nature. 

Coal/Edwardsport Scheduling 
Our understanding is that DEI continues to self-commit the Gibson, Cayuga, and Edwardsport 
coal plants, generally by keeping them in a “must run” status, and has modeled them accordingly 
in this IRP. We continue to believe that this is inappropriate both operationally and as a basis for 
IRP modeling. “Must run” operations are costly to customers because there are significant 
periods when the operation of these plants is not economic, especially during the shoulder 
seasons when coal is generally not the marginal resource in the MISO market. This was true 
throughout Fall 2019, when the use of “must run” commitments resulted in losses estimated to be 
greater than $20 million.5 While the Commission approved DEI’s request to pass these loses 
through to customers through a fuel adjustment clause proceeding (Cause No. 38707 FAC 123 
S1) because the Commission “does not engage in a hindsight analysis,”6 we note that DEI can 
make different resource portfolio choices in this IRP to prevent similar situations whereby 
customers incur significant costs in the future. Not doing so runs contrary to DEI’s obligation to 
serve customers at the lowest cost reasonably possible. 

Modeling these resources as “must run” in the IRP has a distorting effect that affects portfolio 
decisions. Running these plants when they are not economic “crowds out” alternative generation 
that could have supplied power more cheaply at those times, making those alternative resources 
less beneficial to the portfolio. This raises customer in the long-term by preventing the selection 
of low-cost clean energy resources in not just DEI’s resource plan – but also the plans of other 
utilities that participate in the MISO market because of artificially low market prices.  

While commitment decisions are largely operational, the practice of allowing coal plants to 
operate at an economic loss and recovering those costs—even occasionally—from customers 
through the fuel adjustment clause (“FAC”) raises electricity costs for Indiana ratepayers and 
impedes sound long-term resource planning. However, FAC proceedings are narrow in scope. In 
the review of DEI’s unit commitment decisions from September to November 2019 in Cause 
38707 FAC 123 S1, DEI Witness John D. Swez noted that unit “retirement decisions are 
contemplated in the IRP.7” DEI also contends that an analysis demonstrating the long-term 
commitment of the Edwardsport plant is the least-cost option for customers “is possible, but 
inappropriate for an FAC proceeding. The in-depth, long-term nature of the type of analysis … is 
ultimately concerning unit retirements. Such an analysis would be better suited for the 

 
4 In 2019, CPS Energy expanded a pilot program that relied upon behavioral demand response, smart thermostats, 
and commercial and public customer engagement to 300,000 customers. They achieved 40 MW of additional 
demand response at peak periods. More information can be found here: https://www.prnewswire.com/news-
releases/cps-energy-recognized-as-thought-leader-for-public-engagement-301098990.html, and a thorough 
evaluation of earlier iterations of the program can be found here: 
https://www.sanantonio.gov/Portals/0/Files/Sustainability/STEP/CPS-FY2020.pdf. 
5 Direct Testimony and Attachments of Robert B. Stoddard. Cause No. 38707 FAC 123 S1. July 2020. 
6 Order of the Commission. Cause No. 38707 FAC 123 S1. March 2021.  
7 Rebuttal Testimony of John D. Swez. Cause No. 38707 FAC 123 S1, p. 54. August 2020.  
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Company’s IRP process.”8 As such, Indiana AEE anticipated a thorough analysis and discussion 
of, and analysis-bounded decision regarding, Edwardsport – a plant demonstrated to be losing 
customer money because of uneconomic self-commitment of its coal gasifiers.9  

In its 2021 IRP, DEI reports that it did conduct a retirement analysis to consider multiple 
operating conditions for Edwardsport, which included operation on coal, operation on natural 
gas, and near-term retirement. They note that “optimized runs generally resulted in switching 
Edwardsport IGCC to only natural gas operations early in the 20-year period.”10 However, DEI 
has ignored such optimization in favor of continuing coal operations at Edwardsport through 
2035 based on qualitative considerations that include a stated “trajectory of improving operations 
and lowering costs.” This trajectory is not supported by Cause No. 38707 FAC 123 S1 (2019), 
which contains the most extensive record to date on Edwardsport losses. DEI also admits later in 
its discussion of the plant that a partial switch to natural gas operations during the shoulder 
months would “[provide] customers with lower fuel costs,”11 but it has not committed to studying 
the possibility until its next IRP in 2024. This decision means that ratepayers will likely continue 
to pay foreseeable higher-than-necessary costs for the shoulder seasons for at least the next 
several years. We urge DEI to reconsider this decision and take corrective action for its 
customers before 2025.  

Energy Storage 
DEI included energy storage in the list of resources that could be selected in this 2021 IRP. In 
their preferred course of action, modest investments in storage in combination with solar begins 
in 2027 and ramps to cumulative deployment of 1,500 MW by 2038 and thereafter. In the Biden 
90 portfolio, storage in combination with solar is not selected until 2032 then ramps to 600 MW 
in 2040 but standalone storage is deployed beginning with 200 MW in 2030 and ramps to 
cumulative 1,450 MW in 2040. These are both modest amounts of storage relative to recent IRPs 
of some other utilities. 

While DEI’s approach to modeling storage in the development of this IRP reflects historical 
practices, we believe that this approach undervalues the resource.  Storage thrives on price 
variability that provides frequent opportunities to buy low and sell high. High peak vs. valley 
price spreads also increase net revenue. Many IRP models, including the one used by DEI, fail to 
recognize the full value of storage for at least three reasons: 

• They generally under-represent both the frequency and size of hourly price variation 
• They ignore intra-hour price variation 

 
8 Reply to Intervenors’ exceptions to Duke Energy Indiana’s Proposed Order. Cause No. 38707 FAC 123 S1, p. 6. 
January, 2021. 
9 Direct Testimony and Attachments of Robert B. Stoddard. Cause No. 38707 FAC 123 S1. July 2020; the Direct 
Testimony of Devi Glick. Cause No. 38707 FAC 123 S1. July, 2020; and the Direct Testimony of Edward Burgess 
Cause No. 38707 FAC 123 S1. July, 2020. 
10 2021 Duke Energy Indiana Integrated Resource Plan, p. 16. December, 2021. 
11 2021 Duke Energy Indiana Integrated Resource Plan, p. 17. December, 2021. 
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• They typically use reserve margins instead of modelling all ancillary service values, 
which ignores the agility of storage, in that can provide responses to grid conditions 
without scheduling reserve generation. 

Improvements to many models are still under development. Pacific Northwest National 
Laboratory and Lawrence Berkeley National Laboratory recently presented to the National 
Association of Regulatory Utility Commissioners (“NARUC”)12 on this topic, and the National 
Renewable Energy Laboratory and Lawrence Berkeley National Laboratory are evaluating their 
Cambium model.13 Our consultant, 5 Lakes Energy, recently completed a Storage Roadmap for 
the State of Michigan14 and found similar issues in the application of their STEP8760 model. 

The following graph illustrates the way in which inter-hour price variation is commonly 
underrepresented in traditional IRP models, including the one DEI used. The blue line is actual 
prices and the orange line is modeled prices; actual prices are simply much more variable than is 
typically predicted by production cost models because of the unexpected changes in demand, 
plant or transmission outages, and other random phenomena that affect actual prices and are not 
modeled in temporal detail in a production cost model. 

 

Further, there is significant variation in prices within each hour in actual power markets that is 
simply ignored in an IRP model that calculates with only hourly granularity. Still further, 
although good IRP models attempt to account for limitations on ramp rates and other 
intertemporal constraints on actual power plants, they generally fall short of describing all of the 
operational limitations of real power plants; these phenomena are typically addressed by 
planning capacity reserves and scheduling generation reserves which serve to suppress short-
term price variation in actual markets but if reflected directly in pricing could be exploited by 
storage due to its highly flexible operational capabilities.  

As an indicator of the significance of this consideration, we compared the optimal operation of a 
representative small battery with 1 MW power rating and 4 MWh energy storage, using 5 Lakes 
Energy’s STEP8760 model implementation of a model predictive controller for the battery. 

 
12 Miller, C., Twitchell, J. and Schwartz, L. “State of the Art Practices for Modeling Storage in Integrated Resource 
Planning.” Innovations in Electricity Modeling: Training for National Council on Electricity Policy. October 12, 
2021. Available at: https://pubs.naruc.org/pub/CCBEFC58-1866-DAAC-99FB-3A405315FB9B. 
13 Seel, Joachim and Mills, Andrew. “Integrating Cambium Marginal Costs into Electric-Sector Decisions.” 
November, 2021. Available at: https://eta-publications.lbl.gov/sites/default/files/berkeley_lab_2021.11-
_integrating_cambium_prices_into_electric-sector_decisions-_briefing.pdf 
14 Available here: https://mieibc.org/michigan-eibc-newsletter-energy-storage-roadmap-released%EF%BF%BC/  
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The following graph shows MISO’s day-ahead hourly locational marginal prices (“LMPs”) at a 
generation node on April 8, 2022. These LMPs are generated from the kind of merit order 
production scheduling as was used by DEI in its IRP modeling and the resulting optimal 
operation of a battery. Optimally operating this battery with these LMPs produces one-day net 
revenue of approximately $117. 

 

The following graph shows MISO’s actual average LMPs at the same node on the same day, and 
the corresponding optimal operation of the same hypothetical battery. It is notable that actual 
LMPs are significantly more volatile that modeled day-ahead hourly prices, reflecting the 
stochastic nature of the grid. Optimally operating this battery with the actual average hourly 
LMPs produces one-day revenue of approximately $177. 

 

The following graph shows MISO’s ex ante 5-minute LMPs at the same node on the same day, 
and the corresponding optimal operation of the same hypothetical battery. This graph illustrates 
that there is very considerable price variation within each hour that can be arbitraged by a 
battery. Optimally operating this battery with the ex-ante 5-minute LMPs produces one-day 
revenue of approximately $253.  
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These results for single day illustrate the economic significance of modeling storage with both 
realistic and fine-grained energy pricing. 

Because of the limitations in how energy storage was modeled in the DEI IRP, we consider it a 
virtual certainty that storage has been under-valued and therefore under-selected in DEI’s current 
IRP in favor of new gas peaking capacity. Even the STEP8760 model, which selected 1) 200 
MW of stand-alone storage in 2026, a cumulative 600 MW by 2030 and 1,950 MW by 2040, and 
2) 200 MW of solar plus storage in 2025 and a cumulative 500 MW by 2030, is likely to be 
under-selecting storage.  

We therefore recommend that DEI’s near-term procurements be structured so that storage and 
storage hybrid resources can respond and be properly valued (which includes energy, ancillary 
services, and capacity values), and that they seek out at least 400 MW of standalone and solar 
plus storage resources by 2026, consistent with STEP8760 model results and our understanding 
of model limitations. 

We also recommend that in its next IRP, DEI adopt best practices used in other jurisdictions to 
better capture the full value of energy storage. There are a variety of ways to do this. In 2018, the 
National Association of Regulatory Utility Commissioners (“NARUC”) passed a resolution on 
modeling energy storage. The resolution recommended a number of principles to guide NARUC 
member states in modeling energy storage and other flexible resources, including using tools to 
model the “full spectrum of services that energy storage and flexible resources are capable of 
providing, including subhourly services.”15 In 2017, the Washington Utility and Transportation 
Commission (“UTC”) issued an Energy Storage Policy Statement on Treatment of Energy 
Storage Technologies in Integrated Resource Planning and Resource Acquisition that provided 
guidance for “how utilities should model energy storage within the traditional construct of hourly 

 
15 National Association of Regulatory Utility Commissioners. EL-4/ERE-1 Resolution on Modeling Energy Storage 
and Other Flexible Resources. November 2018. Available at https://pubs.naruc.org/pub/2BC7B6ED-C11C-31C9-
21FC-EAF8B38A6EBF 
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IRP models.”16 Other best practices for storage modeling in IRP processes have been identified 
by researchers at the Lawrence Berkeley National Laboratory (“LBNL”) and Pacific Northwest 
National Laboratory (“PNNL”). A recent paper, “State of the Art Practices for Modeling Storage 
in Integrated Resource Planning,” recognizes that the flexibility and scalability benefits of 
energy storage are continuously undervalued in the models that utilities currently use.17  The 
authors argue that “more accurate inputs (e.g., up to date costs and forecasts) and improved 
modeling methods (e.g., assessing benefits for a wider range of grid services, incorporating 
behind-the-meter (“BTM”) applications) are needed to better integrate storage into planning 
processes.”18   

If accurate modeling of energy storage resources is not possible given model limitations, storage 
benefits can also be incorporated into IRPs using a net-cost-of-capacity approach.  Under this 
method, operational benefits of storage that are difficult to represent accurately within the IRP 
model (e.g., the value of real-time energy arbitrage or ancillary services) can be estimated using 
a separate analysis outside the IRP model and credited to storage within the IRP model as a 
reduction in the installed cost of storage. 

Finally, we note that adding properly-valued storage in an IRP portfolio, especially in hybrid 
implementation with renewables, improves the economic benefits of high levels of renewables 
and leads to including higher levels of renewables in an optimal portfolio. 

Federal Policy 
At this time, relevant Federal policy remains unsettled and must, therefore, be considered a risk 
factor in an IRP. We track Federal policy closely. Our assessment is that it is likely that Federal 
policy will move in the direction of favoring clean energy resources, with the extent and timing 
of that movement remaining uncertain. In particular, it is expected that additional tax benefits for 
renewables and storage will be adopted or current benefits will be extended by the end of the 
year. 

DEI did not explicitly model the possibility of material additional tax benefits for renewables and 
storage, but did consider a sensitivity that indicates the significance of such tax benefits. As one 
sensitivity, DEI used solar prices obtained through a Request for Information, which reduced 
capital costs of solar by approximately 15% below the costs assumed in the balance of DEI’s 
modeling. Results in one scenario are presented on page 122 of the IRP and show an immediate 
increase in solar acquisition as a result of lower solar cost. This limited analysis does not 
demonstrate the optimal response to changes in Federal taxation but does show that the least-cost 

 
16 Washington State Utilities and Transportation Commission, Report and Policy Statement on Treatment of Energy 
Storage Technologies in Integrated Resource Planning and Resource Acquisition, Dockets UE-151069 and U-
161024 (Consolidated). Available at: 
https://apiproxy.utc.wa.gov/cases/GetDocument?docID=237&year=2016&docketNumber=161024 
17 Miller, C., Twitchell, J. and Schwartz, L. “State of the Art Practices for Modeling Storage in Integrated Resource 
Planning.” Innovations in Electricity Modeling: Training for National Council on Electricity Policy. October 12, 
2021. Available at: https://pubs.naruc.org/pub/CCBEFC58-1866-DAAC-99FB-3A405315FB9B. 
18 Ibid. 
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portfolio is sensitive to the cost of solar and is likely also sensitive to the costs of wind and 
storage as these would likewise be affected by Federal tax policy. 

It remains possible that Federal policy – now or within the coming years – will also move to 
restrict greenhouse gas (“GHG”) emissions. Any commitment to reliance on fossil-fuel-based 
generation thus creates the possibility of stranded costs. It is therefore prudent to be cautious 
about investments in either new fossil-fueled-generation assets or in major life extensions of 
existing fossil-fueled-generation assets. 

Natural Gas and Market Purchase Risks 
Amongst the factors that DEI considered to evaluate alternative resource portfolios was the 
percentage of load purchased from the market. This factor provides an indication of market price 
risk. We observe that most of the time, the marginal generation in MISO is gas-fired. Thus, 
market price risk is strongly associated with gas price risk. Thus, a better risk metric would be 
the combined exposure of the portfolio to market purchases and to gas-fired generation. 
Although the IRP does not present the percentage of gas-fired generation in the various 
portfolios, it is clear that the Renewables-CC-CT scenario has greater exposure than does the 
Biden 90 scenario and that this difference emerges fairly early due to the accelerated build-out of 
renewables in Biden 90 as compared to Renewables-CC-CT. 

Further, we note that DEI’s course of action pursuant to the Renewables-CC-CT scenario 
includes the purchase of a new natural gas-fueled combined-cycle plant that is to be operational 
in 2027. Considering both the current high price of natural gas that is extreme in the gas price 
distribution considered by DEI in this IRP, as well as the continuing risk of high gas prices, our 
analysis suggests that the capacity requirements that motivated consideration of that combined 
cycle plant would be more economically met by obtaining capacity credits from a combination of 
solar and storage. We therefore recommend that IURC require DEI to prepare for accelerated 
purchases of solar and storage in the period from 2024 – 2027. The most appropriate method for 
doing so would be to solicit proposals for approximately 1,200 MW of zonal resource credits 
using solar and storage resources and select the most economical mix of resources that provides 
that quantity of capacity credits. This is consistent with the results of the STEP8760 model, 
which indicated that DEI should seek a cumulative 1,400 MW of solar by 2026, 2,700 MW by 
2030, and 3,900 MW by 2040, and wind resources totaling a cumulative 400 MW by 2026, 
2,150 MW by 2030, and 3,350 MW by 2040 (similar to the Biden 90 portfolio). Because these 
projects can have significant lead times, we suggest that DEI move quickly to accelerate its 
current procurement processes and schedules. 

Voluntary Renewables Purchases 
Finally, we note that DEI’s IRP does not address the likely interest of some of its customers in 
voluntarily obtaining a larger share of their electricity supply from renewable sources than DEI 
proposes to provide overall in its portfolio. Across the country, green tariff programs are growing 
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in popularity. As of December 2020, they have resulted in nearly 5,000 MW of new renewable 
energy.19  

Allowing customers to participate in programs to bring renewable energy projects online, like 
DEI has done in its service territories in North Carolina, South Carolina, and Kentucky, gives 
those customers the ability to help absorb some of the costs of those additions. This may lower 
the modeled costs of the Biden 90 portfolio relative to the selected Renewable/CC/CT portfolio.  

We attach two white papers previously developed by AEE, for your consideration. The first 
paper outlines “Renewable Energy Offerings That Work” and describes the needs of interested 
customers, particularly large industrial, data center, and other major consumers of electricity that 
have made commitments to renewable energy or sustainability. The second paper discusses 
“Essential Elements of Renewable Energy Tariffs” and goes to the specifics of economic terms 
that make sense to these customers. 

We urge DEI, with support of the IURC, to offer such a voluntary renewables program to its 
customers. Any near-term uptake could be accommodated through incremental purchases of 
renewable generation in upcoming RFPs. Projected future participation in such programs should 
be incorporated into future IRPs. 

Summary Recommendations 
On the basis of our comments above, we recommend that IURC guidance and DEI resource 
decisions shift somewhat from the portfolio evolution described in DEI’s Renewables-CC-CT 
scenario. In particular, we recommend that DEI: 

• Place greater emphasis on customer programs 
• Design RFP(s) to fully capture energy storage benefits and procure a minimum level of 

storage and storage hybrid resources  
• Accelerate renewable energy procurements 

By taking this approach, DEI can hedge against the natural gas and electricity market price risks 
associated with the Renewables-CC-CT scenario without committing to the execution risk that 
DEI claims is the main mark against the Biden 90 portfolio. We think that DEI has undervalued 
the price risks in the Renewables-CC-CT scenario (as is illustrated by current events). 

Place Greater Emphasis on Customer Programs 
As we discussed under the Energy Efficiency heading above, the available empirical evidence 
shows that DEI could achieve 2-3 times as much energy and capacity savings through customer 
energy efficiency programs as they have recently, at unit costs not much different than current 
unit costs. We recommend that DEI, with support from the IURC, develop its next energy 
efficiency plans with a material increase in targeted levels of savings. In lieu of continuing the 

 
19U.S. Electricity Markets: Utility Green Tariff Update. Clean Energy Buyers Association. Dec. 2020. Available at: 
https://cebuyers.org/us-electricity-markets-utility-green-tariff-update/.  
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current approach to energy efficiency potential studies, we recommend a focus on benchmarking 
studies to enable DEI to match the superior performance of some peer utilities. 

As we discussed under the Demand Response heading above, we urge that DEI implement at 
least the level of Demand Response prescribed by the Renewables-CC-CT portfolio and hold 
open the possibility of acquiring additional Demand Response. Importantly, we encourage DEI 
and IURC to seek assistance from specialist Demand Response aggregators in implementing this 
incremental Demand Response, which will then enable greater use of flexible demand in the 
future. We also encourage DEI and IURC to make increasing use of rate designs that encourage 
flexible demand such as time of use and dynamic peak pricing. 

As we discussed under the heading Voluntary Renewables Purchases, we urge DEI to offer its 
customers an option to use up to 100% renewably generated electricity from DEI. 

Include Energy Storage in RFP(s) to Capture Energy Storage Benefits 
As we discussed under the Energy Storage heading above, we urge DEI to issue RFPs that allow 
storage resources to be proposed either stand-alone or in hybrid configurations with solar and/or 
wind. The RFPs must ensure that the economic value used to evaluate bids include energy, 
capacity, and ancillary service values. Specifically, we urge that DEI’s near-term Requests for 
Proposals for new resources seek out at least 400 MW of standalone and hybrid renewable plus 
storage resources by 2026 to account for storage being undervalued by IRP modeling.  

Accelerate Renewable Energy Procurements 
As DEI proceeds to implement its IRP, we recommend an approach that holds open the 
possibility of accelerated renewable energy procurement without incurring large execution risks. 
Our approach retains the potential to benefit from Federal tax incentives if those are extended. 
This approach also potentially reduces risks in the Renewables-CC-CT portfolio associated with 
fuel prices or future GHG restrictions. 

Simply, we recommend that DEI issue RFPs that allow DEI to procure renewables up to 
quantities consistent with the Biden 90 portfolio or STEP8760 model. Proposals received can 
then be evaluated and selected to the extent that they are attractive. DEI would issue RFPs that 
would target the acquisition of at least 847 MW through 2026, as specified by the Renewables-
CC-CT portfolio but allow for the acquisition of up to 1,097 MW through 2026, as specified by 
the Biden 90 portfolio. DEI would also issue RFPs for up to 300 MW incremental wind through 
2026, as specified by the Biden 90 portfolio without committing to contract for wind since it is 
not included in the Renewables-CC-CT portfolio. 

Proposals received in excess of the levels prescribed by the Renewables-CC-CT portfolio would 
be evaluated based on the costs they would avoid under the Renewables-CC-CT portfolio using 
updated projections of market prices for electricity and natural gas and in light of evolving 
Federal policy. 

Any incremental renewables acquired under this strategy would be assumed in DEI’s next IRP. 
If that IRP concludes that DEI should be on a path similar to Biden 90, it would be positioned for 
that. If that IRP concludes that DEI should be on a path similar to Renewables-CC-CT, DEI 
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would simply defer additional renewables purchases that have been “pre-purchased” through this 
recommendation. 

Given the cost and risks attached to new gas capacity, we recommend deferring the acquisition 
of new gas-fueled generation until at least after DEI’s next IRP. We further recommend that DEI 
prepare instead to purchase up to 1,200 MW capacity credits through a combination of solar and 
energy storage resources. 
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Appendix 1 

STEP8760 is an Excel-based open-access electricity integrated resource planning tool. The first 
version was developed by researchers at the University of Michigan and 5 Lakes Energy for use 
in planning compliance with the Clean Power Plan. 5 Lakes Energy subsequently modified it as a 
general-purpose integrated resource planning tool.  

STEP8760 optimizes production and capacity additions in a single year, using the criterion of 
either least utility revenue requirements or least social cost. Capacity additions can be based on 
the common practice of determining whether capacity is needed to achieve a planning reserve 
margin or on including the expected cost of lost load in addition to the cost of utility resources. 
Social cost includes utility required revenue and social costs attributed to lost load, emissions, 
and water use. STEP8760 assumes import and export constraints between the modeled entity and 
the rest of the world but assumes that there are no transmission constraints within the modeled 
entity that affect generator dispatch. STEP8760 simplifies unit commitment and ramping 
constraints. As a single-year model, STEP8760 does not fully solve the dynamic programming 
analysis of when resources should be retired and added. STEP8760 thus serves as an excellent 
screening tool in integrated resource planning, after which candidate strategies can be evaluated 
in a commercial integrated resource planning tool. 

STEP8760 operates by numerical optimization of new resource additions, while calculating 
optimum (“merit order”) dispatch given a set of resources. Resources in each hour are dispatched 
to serve load net of renewable generation plus an operating reserve margin that is calculated 
based on combined load and renewable generation uncertainty. Electricity storage operations are 
then optimized based on the initial dispatch schedule and generation is re-dispatched in light of 
storage operations.  

Storage operations are based on a stochastic model predictive controller (sometimes called a 
receding horizon optimization) in which current state-of-charge and predicted marginal power 
costs plus expected value of lost load for one week (168 hours) are used to compute optimal 
storage operation in the current hour, then in the next hour a similar optimization is calculated. 

For purposes of optimizing resource additions, the cost of a new resource is calculated as the 
levelized annual cost of capacity over the expected life of that resource. Sunk costs of existing 
resources are excluded from the analysis. Operating costs are based on assumed variable 
operations and maintenance costs, heat rate, and projected fuel costs in the modeled year. 
Potential resource additions include wind, solar, nuclear, combined cycle fueled by methane gas, 
and combustion turbine fueled by methane gas.  

For purposes of these comments, we applied STEP8760 to minimize utility required revenue 
assuming continuation of current gas prices but otherwise generally assuming conditions and 
retirements similar to those assumed by DEI in their primary scenarios. Due to higher gas prices 
and our more appropriate assessment of energy efficiency potential, demand response, and 
valuation of storage, we recommend significantly more energy efficiency, demand response, 
wind, solar, and storage and no new natural gas plants. Notably, absent natural gas generation in 
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winter, our analysis recommends significantly more wind and that energy storage be both more 
capacious and decoupled from solar in order to provide load-balancing services in winter. 

Resource  Renewables-CC-CT portfolio AEE STEP8760 Portfolio 
Cayuga 1 &2 Retires end of 2026 Retires end of 2026 
Edwardsport IGCC Retires in 2034 Retires in 2034 
Gibson 1&2 Retires both in 2034 Retires both units in 2034 
Gibson 3 Retires in 2028 Retires in 2028 
Gibson 4 Retires in 2028 Retires in 2028 
Gibson 5 Retires in 2024 Retires in 2024 
Zero-Emissions Load-
Following Resource 

Not included Not included 

New Combined Cycle 1,221 MW operable in 2027 
1,160 MW in 2035 

None 

Capacity Power Purchases 450 MW in 2023 450 MW in 2023 
Energy Efficiency Cumulative 207 MW by 2026 

                     308 MW by 2030 
                     338 MW by 2040 

Cumulative  272 MW by 2026 
                     512 MW by 2030 
                     834 MW by 2040 

Demand Response Cumulative 613 MW by 2026 and 
thereafter 

Cumulative  937 MW by 2026 
                     1,300 MW by 2030  
                     and thereafter 

Solar Cumulative  847 MW by 2026 
                     1,547 MW by 2030 
                     3,025 MW by 2040 

Cumulative  1,400 MW by 2026 
                     2,700 MW by 2030 
                     3,900 MW by 2040 

Solar plus Storage Begins with   75 MW in 2027 
Cumulative   300 MW by 2030 
                      1,500 MW by 2040 

Begins with 200 MW in 2025 
Cumulative 500 MW by 2030 

Wind  
 
Remains 100 MW until 2030 
Cumulative 2,800 MW by 2040 

Remains at 100 MW until 2024 
Cumulative 400 MW by 2026 
                     2,150 MW by 2030 
                     3,350 MW by 2040 

Stand-alone storage none 200 MW in 2026 
Cumulative 600 MW by 2030 
Cumulative 1,950 MW in 2040 

 

 

 




